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1 Introduction 
 
Various countries committed themselves to reduce greenhouse gas (GHG) emissions 
according to targets negotiated under the Kyoto Protocol for the first commitment period 
(2008-2012). More stringent emission reductions are foreseen in the second commitment 
period (after 2012). Reduction of CO2 emissions can be realised by means of a diverse 
portfolio of options covering energy and material efficiency improvements, afforestation, 
increased use of renewable and nuclear energy and decrease of the carbon intensity of fossil 
fuels. The latter option comprises a shift towards less carbon intensive fuels and carbon 
dioxide capture and storage. Carbon dioxide capture and storage is a relatively young concept 
developed in the 80’ies and has not been put into practice yet on a large scale. It foresees CO2 
capture at large stationary sources, compression, transport and injection into a geological 
reservoir or the deep ocean. Another option is to fixate CO2 in the form of minerals in 
reactors.  
CO2 capture and storage enables future use of fossil fuels with strongly reduced CO2 

emissions. Given the large amounts of fossil fuels (especially coal) that can be extracted at 
low costs now and in the nearby future, the cleaner use of fossil fuels by capturing and 
sequestering CO2 might play an important role in any strategy to substantially reduce global 
anthropogenic CO2 emissions.  
 
This paper aims to give an overview of technical lessons learned from demonstration and 
commercial projects and from industrial experience, which shows many parallels with CO2 

capture and storage. Technologies to capture, transport, inject and monitor CO2 are discussed, 
including status, improvement potential, development bottlenecks and implementation 
problems. Also the behaviour of CO2 in geological reservoirs and risks of underground CO2 

storage are discussed based on experience of current projects and various industrial and 
natural analogues.  
 
 
2 Demonstration and commercial projects 
 
Today, CO2 separation is applied commercially in hydrogen/syngas production, in natural gas 
processing and to a lesser extent (and scale) in flue gas scrubbing to produce CO2 for urea 
production and food and beverage industry. However, there is little experience with large-
scale CO2 capture and subsequent CO2 storage. Injection into geological reservoirs with the 
purpose of CO2 storage is only practised in a few projects, of which the Sleipner project is 
probably the best known. Statoil produces natural gas at the Sleipner West Field containing 
circa 9% CO2, which must be reduced to 2.5% in order to meet export specifications. 
Common practice was to vent the separated CO2, but with the introduction of a Norwegian 
offshore carbon tax of 50 US$/t CO2 in 1996, Statoil decided to store CO2 in the Utsira 
formation, a saline aquifer under the North Sea. Annually circa 1 Mt CO2 is injected and a 
total of 20 Mt is expected to be stored over the projects lifetime. The multi-institutional 
research project SACS (Saline Aquifer CO2 Storage) was formed to predict and monitor the 
migration of CO2 injected in the aquifer by means of time-lapse seismic surveys.  
In the United States, there are many commercial projects in which CO2 is injected in nearly 
depleted oil fields with the purpose to increase oil production, a process known as enhanced 
oil recovery (EOR). In October 2000, EnCana began injecting significant amounts of CO2 

(~5,000 t/day), supplied via a 320km long pipeline from the Dakota Gasification Company 
synfuels plant in North Dakota, into the Weyburn oilfields in Canada in order to boost oil 
production and store CO2. It is anticipated that some 20 Mt of CO2 will be permanently 
sequestered over the lifespan of the project. An extensive monitoring is started to assess 
behaviour of CO2 in the oil reservoir.  
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In Western Canada, acid gas (a mixture of CO2 and H2S with a CO2 content varying between 
15 and 98%) removed from natural gas is injected in deep saline aquifers and depleted oil and 
gas fields.  
 
New capture and storage projects are being planned and developed to increase insight and 
confidence in this technology. Many of these projects involve CO2 removal during natural gas 
processing, because CO2 needs to be separated from the gas anyway. BP and Sonatrach are 
developing the In Salah gas fields in Algeria, which is planned to start in 2004. Re-injection, 
of the CO2 removed from the produced natural gas into an onshore underground formation is 
expected to result in a net emissions reduction of circa 1 Mt CO2 per year. In the Netherlands, 
the Crust project has just started, injecting a relatively small quantity of CO2 removed from 
natural gas produced at an offshore gas field by Gaz de France. In the German CO2SINK 
demo project, it is planned to inject circa 30,000 t CO2 in an aquifer below a redundant gas 
storage reservoir. In the Snohvit LNG project, Statoil is developing 3 gas fields in the Barents 
Sea using subsea production installations, linked by a pipeline to a processing and 
liquefaction plant. Annually, circa 0.7 Mt CO2 separated from the gas will be injected into a 
deep saline aquifer 2600 m below the seafloor. ChevronTexaco is planning one of the largest 
CO2 storage projects at the Gorgon gas field in Australia, where annually 5.2 Mt CO2 removed 
from natural gas will be injected in a saline aquifer.  
Plans have been announced (of which some have been approved) for the construction of 
various coal gasification plants to produce hydrogen and/or electricity with CO2 capture and 
removal. The US Department of Energy Futuregen project involves the construction of a 275 
MW integrated coal gasification combined cycle (IGCC, see next section) to produce 
hydrogen and electricity with nearly zero emissions. Plans for the construction of a 430 MW 
IGCC to covert coal in electricity in Hatfield (UK) have been approved. In this project, circa 
2.5 Mt will be sequestered annually. Similar plans have been announced for the construction 
of a 460 MW IGCC plant in Drym, South Wales.  
  

Figure 1 Overview of current (yellow) and possible (blue) capture and storage projects (source: IEA 
GHG)  

 
Apart from the major demonstration and commercial projects described above, there are 
numerous R&D projects being performed and planned. These projects are focussing 
principally on optimisation of existing and development of new separation technologies for 
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large-scale CO2 capture with the purpose of GHG emission reduction and validation of 
underground CO2 storage in different type of reservoirs. For a more detailed description of 
ongoing and planned projects, check www.co2sequestration.info 
 
 
3 Capture 
 
CO2 separation technologies are widely applied in various industrial sectors to remove CO2 
from flue gas, natural gas and hydrogen (in syngas). Captured CO2 is vented, used for 
enhanced oil recovery or purified to produce high-purity CO2 for niche market applications 
(e.g. food and beverage industry). The industrial experience with CO2 separation can be used 
to draw lessons for large scale CO2 capture with the purpose of storage, which is envisioned at 
large stationary sources (power plants, refineries, gas processing plants and industrial plants). 
At the majority of these processes, diluted CO2 is emitted, which requires CO2 separation from 
other components to produce a concentrated stream. It is possible to transport and inject the 
whole stream, but this is uneconomic because of the high volume to be compressed, 
transported and injected and undesirable due to the fact that capacity of the reservoirs will be 
used for unnecessary storage of other components.  
 
The energy requirements and costs of CO2 separation increase with decreasing CO2 partial 
pressure in the waste stream. Therefore, sources with relatively high CO2 concentration are 
low-cost targets for CO2 separation. At various industrial processes (including production of 
ethylene oxide and hydrogen at refineries or for ammonia production), CO2 separation is not 
required, since a nearly pure CO2 stream is generated as by-product, making these plants ideal 
candidates for short-term application of CO2 storage. Other interesting sources, where CO2 

separation can be performed at relatively low costs, are gas processing plants, cement and 
iron and steel industry due to the relatively high CO2 concentration in waste streams in 
comparison to flue gasses from power plants. However, in order to realise stringent CO2 

reduction targets, CO2 capture at power plants might be unavoidable. Power plants are 
considered to be prime targets for CO2 capture, since the share of total emissions is expected 
to be the largest among all sectors (circa 43% in 2030) (IEA, 2002a).  
 

3.1 CO2 capture at power plants 
CO2 capture at power plants are often classified into three process routes:  
• post-combustion 
• pre-combustion 
• oxyfuel combustion (or denitrogenated conversion)  
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Figure 2 Principle of post-combustion capture (1), pre-combustion capture (2) and oxyfuel combustion 
(3). White components are equal to the configuration without capture, light grey indicates 
modifications to the configuration without capture, dark grey indicate new components.  

 

3.1.1 Post-combustion capture 
The principle of post-combustion capture is to remove CO2 from flue gas at low pressure 
(circa 1 bar) and low CO2-content (3-20%). Post-combustion capture can be applied at large 
power plants such as pulverized coal plants (PC), natural gas fired combined cycles (NGCC) 
and at stationary fuel cells such as solid oxide fuel cells (SOFC). The process can be applied 
in existing power plants (retrofit), but should preferably be applied to high efficiency power 
plants to be constructed to minimise the efficiency penalty caused by capture.  
 
The leading technology in post-combustion capture is chemical absorption. Alternative 
technologies to capture CO2 from flue gasses are adsorption, cryogenics and membranes, but 
these options are still relatively immature and/or expensive. Further research and technology 
development could however result in cost reduction for these alternatives. 
 

3.1.2 Pre-combustion capture 
In pre-combustion schemes, fossil fuels (or biomass) are converted into syngas, a mixture of 
CO and H2. Syngas can be produced by gasification of coal or by reforming/partial oxidation 
of natural gas. CO is further reacted with steam to produce CO2 and more H2 in the water-gas 
shift reactor, after which CO2 is separated from hydrogen1. Due to the high CO2 partial 
pressure (15-40% at 15-40 bar), CO2 separation from H2 is less energy and costs-intensive 
than post-combustion capture. Hydrogen is used to produce electricity in advanced gas 
turbines or fuel cells and might also be deployed as climate neutral transport fuel.   
 

                                                
1 In syngas produced by coal gasification, significant quantities of H2S are present, which can be 
removed simultaneously with CO2 and may be co-stored with CO2 in certain situations. This might 
result in cost reductions. 
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The integration of coal gasification and syngas burning in a gas turbine is called an integrated 
coal gasification combined cycle power plant (IGCC). Today there are only four operating 
IGCC plants (see table 1) and more plants are planned (see section 2). The Piñon Pine IGCC 
plant in Nevada with an air-blown, pressurized fluidized bed gasifier appeared a technical 
failure, as steady-state operation was not reached in the course of testing due to start-up 
problems. Gasification of coal and subsequent cleaning is technically quite complicated, 
although there is quite some experience with gasification of coal and heavy oil residues, 
mainly with the purpose of chemicals manufacturing. This makes capital costs and electricity 
production costs of these plants relatively high in comparison to conventional PC and NGCC. 
In addition, gas turbines are traditionally designed to operate on natural gas or light fuel oils, 
using air as working fluid. Turbines using a fuel containing principally hydrogen have not 
been optimised yet.  
An IGCC can be designed for CO2 capture by installing a shift reactor and CO2 separation 
unit upstream of the gas turbine. In this configuration, almost pure hydrogen is produced to 
fuel the gas turbine. As a result of the different combustion properties of hydrogen, the 
application in gas turbines will require further research and development of modified 
combustion chambers for gas turbines. When hydrogen is burned in a gas turbine, steam 
(from a steam cycle) or nitrogen (from the air separation unit to produce oxygen for 
gasification/partial oxidation) needs to be injected in order to prevent NOx formation in the 
combustion chamber (IEA GHG, 2000a).  
The efficiency penalty caused by CO2 capture applied to an IGCC depends on the type of 
gasifier. Gasifiers that feed the fuel as a water slurry and which involve quenching the 
product gas with water are expected to have a lower energy penalty than gasifiers which feed 
the coal as dry powder using a high-temperature heat recovery boiler, as the former already 
produce a raw gas containing the steam required for shift conversion (IEA GHG, 2003). 
 

Table 1 Operational IGCC plants (without shift and CO2 capture)  

Location Process Power (MWe) Status 
Buggenum 
(Netherlands) 

Shell/Siemens 253 Operational since 1994 

Wabash (Indiana) E-gas/GE 252 Operational since 1996 

Tampa (Florida) Texaco/GE 250 Operational since 1996 
Puertollano (Spain) Pernflo/Siemens 335 Operational since 1997 

 
Physical absorption is the leading option for pre-combustion processes (when partial pressure 
is sufficiently high, otherwise chemical absorption is required). The fuel gas has to be cooled 
down to temperature levels around 40oC to enable the absorption step. Adsorption, 
membranes and cryogenics might become interesting alternatives in the future. Particularly 
adsorption and membrane processes have an excellent potential as the CO2-separation can be 
performed at temperatures similar to the fuel conversion or shift-conversion temperatures. 
 
Another technology for H2/CO2 separation is to convert fossil fuels (or biomass) into carbon, 
which can be stored as solid, and hydrogen. The advantage of this so-called carbon black 
process is that it produces a climate neutral energy carrier without the need of energy 
intensive CO2 capture and storage of enormous volumes of CO2 in underground reservoirs. 
Another advantage is that a wide range of fuels (light gases to heavy oil fractions) can be 
used. However, a significant share of the energy contained in the fuel is not released (by 
oxidation of carbon), but is incorporated in carbon. Two small units producing hydrogen by 
plasma cracking are operated by Canadian Synergy Technologies Corporation and Kvaerner. 
 

3.1.3 Oxyfuel combustion   
A concentrated stream of carbon dioxide can be produced by the exclusion of nitrogen before 
or during the combustion process. The difference with the previous process routes is that here 
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the separation is targeted to produce oxygen from air (i.e. separation of oxygen from mainly 
nitrogen), thereby avoiding the need for CO2 separation. Fossil fuels are then burned in an 
atmosphere of principally oxygen. A part of the flue gas, which consists mainly of CO2 and 
H2O, must be recycled to the combustion chamber to control the flame temperature, since 
current materials applied in power industry cannot handle such high temperatures. Water is 
condensed from the flue gas that is not recycled (having a CO2 concentration of circa 80%) 
and CO2 can be compressed to transport conditions. Oxyfuel combustion systems enable 
100% CO2 recovery, whereas post and pre-combustion systems enable maximally 95% 
recovery. Also NOx emissions can be reduced to below 1 ppmv, since thermal NOx formation 
is negligible (Griffin and Bill, 2003). 
 
Oxyfuel combustion can be deployed in (special designed) gas turbines or in (adapted) boilers 
and furnaces. The application in gas turbines is considered to be more complicated, since it 
involves the use of CO2 or a mixture of CO2 and H2O as working fluid, which has different 
expansion characteristics than nitrogen used in conventional turbines. The optimal pressure 
ratio for CO2 turbines is higher than for conventional turbines, which implies that the 
efficiency of a CO2 turbine for typical pressure ratios nowadays is lower than the efficiency of 
conventional turbines (IEA GHG, 2000a). Existing gas turbines cannot simply be adapted for 
CO2 as working fluid, hence complete new gas turbines (combustor and compressor) need to 
be developed.  
Pilot studies indicate that existing pulverized coal plants can be relatively easily retrofitted to 
oxyfuel combustion (Herzog and Golomb, 2004). McDonald and Palkes (1999) calculated 
that the boiler efficiency might be increased with oxyfuel combustion, since the volume of 
inert gas in the boiler is lower than conventional systems (higher heat transfer rates). Possibly, 
some of the flue gas cleaning equipment (such as desulphurization unit) might be omitted 
when some impurities (SOx) can be co-stored with CO2 in underground reservoirs. 
 
Although there is experience with oxygen fuel combustion in the glass melting and the steel 
and aluminium industry, the concept of oxyfuel combustion has not been applied in power 
plants yet; so far some demonstration tests have been conducted. The effects on plant 
operation (air-fuel mixing, combustion behaviour, O2-usage carbon burnout) and plant 
maintenance (fouling, corrosion and ash formation) are major issues to be considered in R&D 
(Hendriks et al., 2003). 
 
A major disadvantage of oxyfuel combustion is the energy-intensive oxygen separation 
technology. Cryogenic air separation is the conventional technology to produce pure oxygen, 
but membrane and adsorption technologies might become interesting alternatives on the 
longer term.   
 

3.2 CO2 capture in major industrial processes and natural gas processing 
 

3.2.1 Iron and steel production 
The majority of CO2 emissions in the iron and steel industry are generated in blast furnaces 
where iron ore is reduced to pig iron with coke, the so-called integrated steel production. 
Although this would be the main process for CO2 capture, more advanced iron and steel 
production processes also enable CO2 capture.  
Blast furnace gas typically contains 20% CO2 by volume at 2-3 bar (Farla et al., 1995). CO2 

capture can be performed before or after combustion (CO2 concentration exhaust gas 
approximates 27% by volume). Although the CO2 partial pressure is higher in comparison to 
flue gasses from power plants, chemical absorption would be the most appropriate 
technology. 
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3.2.2 Cement production 
In cement production, CO2 is produced in the conversion of CaCO3 to CaO (process-related 
emissions) and during fuel combustion to provide heat to the process. Process-related CO2 
normally accounts for more than half of the total CO2 emissions. The flue gas from cement 
kilns contains between 14 and 33 vol% CO2, depending on the production process and type of 
cement (IEA GHG, 1999). CO2 could be captured by means of chemical absorption, although 
the large quantities of heat required for solvent regeneration are not normally available at 
cement works. Combined heat and power plants would have to be built at the site to provide 
the heat or it should be purchased from nearby industries. It may also be possible to use 
oxyfuel combustion in cement kilns but the effects of a higher CO2 concentration in the flue 
gas on the process chemistry would need to be assessed (Thambimuthu et al., 2003).  
 

3.2.3 Oil refining 
CO2 emissions in the petrochemical industry are principally combustion emissions from 
boilers and furnaces with varying CO2 concentration in the exhaust gasses. CO2 can be 
captured in post combustion schemes by means of chemical absorption. 
 

3.2.4 Natural gas processing 
In natural gas, CO2 concentrations are between a few percent up to 80% (Dortmundt and 
Doshi, 1999). In order to reduce the CO2 concentration to transport specifications (circa 2%), 
CO2 (and other impurities such as H2S) have to be captured from the natural gas. Depending 
on the CO2 partial pressure, separation is performed either by chemical absorption, physical 
absorption, cryogenics or membranes, the latter three being more suited for higher CO2 

concentrations. 
 

3.3 Separation technologies 
 

3.3.1 Chemical absorption 
Depending on the partial pressure, either chemical or physical absorption is applied. Also 
physical/chemical hybrid solvents are available, which behave as a physical solvent at higher 
CO2 partial pressures and as chemical solvent at lower CO2 partial pressures. 
Chemical absorption is suited for low to moderate CO2 concentrations at near atmospheric 
pressure (partial pressures below ±5 bar). The state-of-the-art option in chemical absorption 
of CO2 from flue gasses is monoethanolamine (MEA). Alternative chemical solvents 
commercially available are diethanolamine (DEA), triethanolamine (TEA), activated methyl 
diethanolamine (aMDEA2) and K2CO3. These solvents are commonly applied in natural gas 
processing and base chemical plants to separate CO2 from gas streams with higher CO2 partial 
pressure. 
 
MEA has a successful history in producing high purity CO2 from flue gasses of power plants, 
industrial boilers and furnaces at scales between a few tons up to 1200 tons per day. Table 2 
shows a number of the larger plants. Those where CO2 was captured for EOR application 
were, although commercially and technically successful, shut down due to collapse in the oil 
prices in the mid eighties (Chapel et al., 1999). In addition to this there are numerous of 
smaller scale applications were CO2 is produced from flue gases using a MEA-process for 
food/beverage applications.  
 

                                                
2 Chemical/physical hybrid 
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In order to be applied with the purpose of GHG emission reduction, experience is required 
with larger units integrated in power plants. In order to capture 90% of a 400 MWe natural gas 
fired combined cycle, units of circa 3200 t/day are required, almost 3 times as large the 
biggest MEA unit operated so far. However, the experience with these relatively small plants 
forms an important knowledge base for reliable engineering studies. Also several pilot plants 
are in operation in Canada, Norway, Japan and Korea to assist in the scale-up of the 
technology with the aim of providing confidence.   
 
Table 2 Larger commercial applications of MEA-processes (Herzog, 1999) 

Location Process 1) Capacity 
(tons/day) 

Source  CO2-use Status 

Lubbock (Texas) DOW  1200 Gas boiler EOR Shut 
Trona 
(California) 

Kerr-McGee  800 Coal boiler Carbonation of 
brine 

Operational 
since 1978 

Bridgeport 
(Texas) 

Inhibited MEA 493 Gas heaters, 
engines, turbines 

EOR Shut 

Bellingham 
(Massachussetts) 

Fluor Daniel 320 Gas turbines Food industry Operational 
since 1991 

Sua Pan 
(Botswana) 

Kerr-McGee/ 
Lummus 

300 Coal boiler Carbonation of 
brine 

Operational 
since 1991 

Poteau 
(Oklahoma) 

Kerr-McGee/ 
Lummus 

200 Coal boiler (CFB) Food industry Operational 
since 1991 

Chiba (Japan) Fluor Daniel 165 Coal/oil/gas boiler Food-grade Operational 
since 1994 

Luzhou (China) Dow 160 NH3 Reformer 
exhaust 

Ureum No 
information 

Uttar Pradesh 
(India) 

Dow 150 NH3 Reformer 
exhaust 

Ureum Operational 
since 1988 

Carlsbad (New 
Mexico) 

Retrofit to 
Dow MEA 

104 Gas boiler + NH3 
Reformer exhaust 

EOR Shut 

Rio de Janeiro 
(Brazil) 

Fluor Daniel 90 Gas boiler Food Industry Operational 
since 1997 

Altona (Australia) Dow 2x60 Gas boiler Food Industry Operational 
since 1985 

Warrior run 
(Maryland) 

Kerr-McGee/ 
Lummus 

6 Coal boiler (CFB) Food-grade Operational 
since 2000 

1) Since 1989 Fluor Daniel has worldwide rights to the DOW MEA technology and changed its name 
from GAS/SPEC FT-1 to Econamine FG. Since 1990 ABB Lummus Global has the license to the Kerr-
McGee technology 
 
The absorption process is depicted in figure 3, together with an impression of the scale and 
the required space of a chemical absorption unit. In the absorption column, CO2 reacts 
chemically with the amine and washed flue gas is vented. The CO2-rich absorbent is pumped 
to the desorber (stripper), where CO2 is released by reducing pressure and increasing 
temperature up to 120°C, for which steam can be extracted from the steam turbine when the 
unit is integrated in a power plant. The regenerated adsorbent is recycled to the absorber and 
CO2 is compressed to supercritical pressure and dried (with glycol or zeolites), ready for 
transport. The Econamine FG scrubber system, using 30 wt.% MEA solution, is capable of 
recovering 85-95 % of the CO2 present in the flue gas and can generate 99.95+% pure CO2. 
The CO2 removal efficiency varies with the reboiler heat duty. Experiments with an 
Econamine scrubber system fuelled with flue gas from the lignite fired Boundary Dam power 
station in Canada has revealed that the relationship between reboiler heat duty and lean CO2 
loading or absorbed CO2 is not proportional over the entire range of heat duty input. Instead, 
the duty and loading tend to stabilize at a certain value of heat duty, considered to be the 
optimal operating condition (Wilson et al., 2003). 
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Prior to entering the absorber, flue gas needs to be cooled (which can be accomplished either 
in a SO2 scrubber or water cooler) and impurities need to be removed. NOx and SOx removal 
to low concentrations is essential, since these components form heat stable, corrosive salts 
that cause operational problems and solvent losses. SO3 causes additional problems as this 
compound forms corrosive H2SO4 aerosols. Fly ash may cause foaming in the absorber and 
stripper, erosion, corrosion and increased solvent loss. It may also create difficulties in the 
upstream SO2 scrubber. Therefore, coal fired power plants should be equipped with a DeNOx 
unit, an ESP and a DeSOx unit. According Chapel (Chapel et al., 1999), it is less expensive to 
install a SO2 scrubber than to accept the solvent losses when the flue gas contains more than 
10 ppmv SO2, which might not be achieved with a conventional flue gas desulphurization 
unit. A spray scrubber using caustic soda or soda ash can be used to reduce SO2 emissions 
further to 10 ppmv level. SO3 formation can be minimised by optimising boiler design.  
Oxygen causes solvent degradation and corrosion of carbon steel. Therefore, additives are 
added to avoid amine degradation and minimise corrosion of equipment. Flue gas streams 
with at least 1.5 vol% oxygen are preferred to maintain inhibitor activity (Chapel et al., 1999).  
 

Figure 3 CO2 capture with amines. Left: process scheme (source: Howard Herzog, MIT). Right: CO2 

capture plant (source: ABB Lummus Crest) 

 
Although commercially available, CO2 capture by chemical absorption has not been optimised 
and demonstrated yet for large-scale application at power plants. The major bottleneck is the 
high energy use needed for CO2 recovery. In order to recover 90% of present in the flue gas, 
circa 4 MJ low-pressure steam is required per ton of recovered CO2. Other drawbacks are 
high capital cost and solvent consumption. By developing new solvents with high CO2 
loading and smaller binding enthalpy, steam consumption can be reduced significantly. 
Integration of the reboiler and the power plant and reduction of the absorber packing pressure 
drop can reduce energy requirements (i.e. operating costs) even further. A new solvent based 
on sterically hindered amines (KS-1) has been commercialised and adopted for the Petronas 
fertilizer plant in Malaysia (200 t CO2/day). This solvent is also being tested at pilot scale at 
the Nanko power plant in Japan, recovering CO2 from various flue gas sources such as coal-
fired flue gas and gas turbine exhaust gas. KS-1 has a lower circulation rate due to its higher 
lean to rich CO2 loading differential, lower regeneration temperature and 10-15% lower heat 
of reaction, which has reduced regeneration energy to 3.2 MJ/kg CO2 (Mimura et al., 2001). 
TNO-MEP is currently investigating the use of watery salt solutions of amino acids, which 
precipitate due to the absorption of CO2. According TNO-MEP, energy consumption for this 
process can be reduced by around 45%, compared to the MEA technology as a result of 
higher loading and heat integration into the regeneration process.  
  
Capital costs can be reduced by using other absorber and flue gas cooling vessel materials, 
decreasing absorber vessel size, economies of scale and improved oxidation inhibitors. Apart 
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from increasing scale, capital costs can be reduced by installing one solvent stripper serving 
various absorbers. Reduced steam consumption will also help reduce capital costs as the 
stripper reboiler and overhead condenser will become smaller (Chapel et al., 1999). 
Integrating absorbents with membranes (membrane contactors) reduces weight and space 
with circa 50%. This makes membrane contactors especially suitable for offshore natural gas 
processing. Moreover, energy consumption can be reduced (larger contact area) and solvent 
degradation can be reduced and problems with entrainment and foaming are avoided. Pilot 
plant tests in Norway and Japan appeared encouraging.  
 

3.3.2 Physical absorption 
When the CO2 partial pressure is high enough, physical absorption would be the best choice 
for the purpose of large-scale CO2 capture, because this process is less energy intensive than a 
chemical absorption process. Physical absorption is applied commercially to remove acid gas, 
a mixture of CO2 and H2S, from natural gas and to remove CO2 from syngas in the production 
of hydrogen, ammonia and methanol. There are various physical solvents commercially 
available, among which dimethylether and polyethylene glycol (Selexol) and cold methanol 
(Rectisol) and N-methylpyrollidone (Purisol). 
 
In figure 4, the physical absorption process is illustrated. CO2 dissolves into the solvent and is 
recovered by reducing the pressure in various flash drums. No heat is required to release CO2 

due to low heat of absorption. After depressurization a pure CO2 stream is released at 
different pressures. After the final stage, Selexol still contains approximately 25-35% of 
originally dissolved CO2. This is recycled to the absorber and is recovered in subsequent 
cycles. By physical absorption with Selexol a CO2 recovery up to 90% can be achieved 
(Chen, 2003).  

Figure 4 Physical absorption to capture CO2 from syngas 

 
CO2 capture from natural gas, as illustrated in figure 5, is very similar to the process 
illustrated in figure 4. At the Sleipner platform, CO2 separation from natural gas is being 
performed with MDEA at high pressure (100 bar in the absorber columns) to reduce CO2 

concentration from 4-9.5% to less than 2.5%. One of the greatest challenges was to scale 
down the process plant sufficiently to accommodate it on a platform. The module weighs 
8200 tonnes and measures 50 x 20 x 35 m.  Initially, it has been difficult to keep the CO2 

concentration within the 2.5% goal (transportation specification), because the process proved 
somewhat unstable. After major experimental and modelling investigation, it appeared that 
the CO2 concentration could be kept below 2.5% by increasing the amine circulation rate and 
total heat input (Statoil, 2004).  
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Figure 5 CO2 capture at Sleipner T platform (source: Gelein de Koeijer, Statoil) 

 

3.3.3 Adsorption 
Adsorption encompasses the selective removal of CO2 from a gas stream to the adsorbent 
(zeolite or activated carbon), followed by regeneration, which can be either by reducing 
pressure (Pressure Swing Adsorption or PSA) or increasing temperature (Temperature Swing 
Adsorption or TSA) or hybrids (PTSA). In a novel concept, regeneration is performed by 
passing an electric current through the adsorbent (Electrical Swing Adsorption or ESA). PSA 
is commercially applied in hydrogen production plants to separate hydrogen from 
contaminants such as CO, CO2 and H2O. These processes are not economically feasible yet 
for large scale CO2 capture, because of the low capacity and low CO2 selectivity of the 
available adsorbents and the fact that flue gas must be cooled.  
In order to improve adsorption performance, high temperature adsorbents need to be 
developed. A relatively new concept is the use of solid compounds as regenerable sorbent of 
CO2. These solids can react with CO2 to form a carbonate (in the case of Ca and Li oxides) at 
high temperatures (~600°C) or a bicarbonate (in the case of Na and K carbonates) at lower 
temperatures (carbonation process). In a different reactor, the sorbent is regenerated 
(calcination) at high temperature (~1000°C), where pure CO2 is produced. In principle, the 
CO2 carbonation-calcination loop can be applied to separate CO2 in both post-combustion and 
pre-combustion systems. The disadvantage of this option that relatively large amounts of 
sorbents are required due to a decay in sorption activity, generating a new waste stream. 
Laboratory tests with high temperature adsorbents (zeolites, metal oxides, carbons and 
hydrotalcites) to remove CO2 during or after fuel conversion by a TSA process have proved 
the principle. CO2 adsorption takes place in a mixture with H2 at temperatures around 300°C 
and desorption at temperatures above 500°C resulting in a CO2 stream above 20 bar 
(Hendriks et al., 2003).  
 
Chemical looping 
A recent innovative oxyfuel combustion concept, which can be put under the heading of 
adsorption technologies, is the so-called (O2) chemical looping, in which oxygen is provided 
by metal oxides. Fuel reacts with a metal oxide at circa 1000°C, after which the reduced metal 
is reacted with oxygen at circa 1000°C in a separate vessel and recycled to the vessel where it 
reacts with fuel again. Fuel is basically gas, but coal might be used as well. This process has 
been tested successfully in a demonstration unit of 10 kW. Major R&D issue is the long-term 
behaviour of metal oxide particles.  
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3.3.4 Cryogenics  
Cryogenic technology (low temperature distillation) can be applied to separate CO2 from flue 
gas or hydrogen or to separate oxygen from nitrogen for oxyfuel combustion systems. It 
makes use of the difference in the freezing point of the components to be separated.  
 
Cryogenic CO2 removal 
In cryogenic CO2 removal at post-combustion systems, flue gas is cooled below the boiling 
point of CO2, so that it condenses and can be separated from the gaseous compounds. The 
advantage of cryogenic separation is that liquid CO2 is produced, which can be pumped to the 
injection site. However, the process is energy intensive and will result in large efficiency 
drops when applied for capture from flue gas at power plants. This technique is mainly 
applied in processes where CO2 concentrations are high (i.e. 50-70%) (IEA, 2002b). 
Cryogenics could also be an interesting technology for pre-combustion or O2/CO2 recycle 
combustion processes, where CO2 concentrations are typically high. 
 
Cryogenic air separation 
In cryogenic air separation, air is separated into liquid oxygen and gaseous nitrogen (which 
can be used to minimise NOx emissions when burning hydrogen in gas turbines in pre-
combustion NGCC), argon (which can be sold) and some trace components. It is an energy-
intensive process with little improvement potential. An air separation unit alone may consume 
15% of a power plant’s electric output (Herzog and Golomb, 2004).   
 

3.3.5 Membranes 
A relatively novel capture concept is the use of membranes to selectively separate certain 
components from a gas stream, which can be either CO2 from flue gas (post-combustion 
systems), CO2 from natural gas (natural gas processing), CO2 from hydrogen (pre-combustion 
systems) or oxygen from nitrogen (in oxyfuel combustion systems). Although membranes 
have several advantages above absorption and adsorption (no regeneration energy required, 
simple modular systems, no waste steams), large-scale application of membranes still requires 
large R&D efforts to improve selectivity, permeability and durability at higher temperatures. 
Membranes cannot always achieve high degrees of separation, which makes multiple stages 
or recycling necessary. Another disadvantage of membranes is the sensitivity for sulphur 
compounds and other trace elements.  

Figure 6 Size of membrane skid (in front) and absorption column (source: UOP)  

 
Membranes are available in different material types, which can be either organic (polymeric) 
or inorganic (carbon, ceramic or metallic), and can be porous to non-porous. Polymeric 
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membranes applied commercially in natural gas sweetening (to separate CO2 and H2S from 
natural gas) and enhanced oil recovery (to separate CO2 from natural gas co-produced with 
the oil). The advantages of polymeric membranes for natural gas sweetening in comparison to 
absorption are lower capital cost, ease of skid-mounted installation, lower energy 
consumption, ability to be applied in remote areas (offshore), flexibility under variable feed 
conditions and the ability to dehumidify the natural gas along with acid gas removal 
(Dortmundt and Doshi, 1999). Polymeric membranes are especially suited for gas streams 
with high CO2 content, which make them less energy efficient for CO2 separation from flue 
gas in comparison to chemical absorption. Another disadvantage of current polymeric 
membranes is the intolerance to high temperature.  
Inorganic membranes such as microporous carbon and zeolite, ceramic and metallic (e.g. 
platinum and palladium) are more stable at higher temperatures, which makes these 
membranes suited for H2 separation in syngas. They can be applied in coal gasification after 
the water gas shift reaction to obtain almost pure hydrogen (>99%) whilst a nearly pure CO2 

gas stream exits the retentate site at feed pressure. They can also be applied in a membrane 
reactor, where steam methane reforming (SMR), water gas shift and hydrogen separation are 
integrated in one reactor. Two companies are currently developing pre-commercial membrane 
reactors for small-scale applications. 
Pd membranes (often supported by a porous substrate such as ceramic, glass or stainless steel) 
generally have the highest selectivity of inorganic membranes, but are relatively expensive, 
which urges the need for thinner membranes (also to increase permeation rates). Membranes 
of about 20-50 µm thick are commercially available and membranes of 2-5 µm are being 
produced in laboratory settings. The challenge lies in the production of thin, stable 
membranes without any defect by means of a relatively low-cost manufacturing process.  
The selectivity of microporous membranes is currently not sufficient to enable the production 
of more than 99.99% pure hydrogen as required in PEM fuel cells (although burning in gas 
turbines in pre-combustion NGCC schemes is possible). Pore sizes of less than 2 nm are 
required for this level of selectivity and this has as yet not been attained. In addition, the 
permeation flux is less than for dense metallic membranes and the stability of the membrane 
pores is adversely affected by the presence of steam, as in SMR (Damle, 2001).  
 
Inorganic ceramic membranes can also be applied as alternative for cryogenic air separation 
to produce oxygen for oxyfuel systems or gasification with oxygen. These ion transport 
membranes (ITM) or oxygen conducting membranes consist of ceramic metal oxides 
(perovskites), which incorporate oxygen ion vacancies in their crystalline structure. Oxygen is 
ionized at the membrane surface and the ions are transported through the membrane, 
counterbalances by a flow of electrons in opposite direction. The transport process requires 
temperatures above 700°C. Such an ITM is currently being integrated with fuel combustion 
and heat exchangers in a so-called mixed conducting membrane (MCM), replacing the 
conventional combustion chamber of a gas turbine (so-called AZEP or Advanced Zero 
Emission Power plant). Basically, compressed air enters the MCM reactor, where oxygen 
passes through the membrane and transported to the combustion chamber. The heat produced 
is transferred to oxygen-depleted air, which is expanded in a conventional turbine. This 
configuration enables 100% CO2 capture with significant lower efficiency penalty in 
comparison to an oxyfuel NGCC with a cryogenic ASU. Due to the limited temperature in the 
MCM reactor (circa 1200oC), turbine inlet temperature (TIT) is lower than TIT of most 
advanced gas turbines, which exceed 1400oC. By installing an afterburner to increase TIT and 
accepting a lower CO2 recovery of 85%, the efficiency loss can be reduced (Eklund and 
Sundkvist, 2004).    
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4 Transport 
 
Large-scale CO2 transport can be performed by pipeline or tanker. CO2 pipelines or tankers 
are very similar to high-pressure natural gas pipelines or LPG tankers, respectively. CO2 is 
transported on a commercial scale for enhanced oil recovery (CO2-EOR). Worldwide, 
approximately 3100 km of pipeline exists with a capacity of circa 45 Mt CO2/yr, mainly 
situated in the USA. Many of these pipelines have been operating since the early 1980s. CO2 
is transported as dense fluid at pressures of minimally 80 bar up to 200 bar. Most pipelines in 
the USA operate at 120-140 bar and are buried at least 1 meter underground. Material used is 
generally carbon steel, but alternative materials are available such as 13% Cr steel, duplex 
and other high-alloy steel, which are expected to be more resistant against corrosion (IFE, 
2002). The gas stream may contain varying amounts of corrosive compounds such as water 
and H2S, depending on the gas stream source and capture technology. To avoid corrosion, the 
gas stream is dehydrated prior to entering the pipeline and the pipe itself can be foreseen with 
external coatings or cathodic corrosion protection. An experimental study show that corrosion 
rates are manageable at temperatures lower than 30°C and that it is possible to obtain 
corrosion rates that are lower than 0.1 mm/y with corrosion inhibitors (IFE, 2002).  
 
The major risk associated with pipeline transport is a pipeline failure, which can be either a 
(pin)hole or rupture, resulting in CO2 release, which may result in lethal concentration of CO2 

in close vicinity of the pipeline. The accident record for CO2 pipelines in the USA shows ten 
incidents from 1990 to 2001 without any injuries or fatalities, corresponding to a frequency of 
3.2.10-4 incidents per km year. The principal causes of natural gas pipeline accidents, for 
which causes of incidents are similar, were outside force (35%), corrosion (32%), other 
(17%), well and pipe failures (13%) and operator error (3%). For comparison, statistics of 
incidents with natural gas and hazardous liquid pipelines between 1986 and 2001 in the USA 
show a frequency of 1.7.10-4 and 8.2.10-4, respectively, and tens of injuries and fatalities (Gale 
and Davison, 2003). Since CO2 is not explosive or inflammable, the consequences in case of 
leakage are expected to be smaller than for natural gas. CO2 differs from natural gas in its 
high density compared to air, so that it tends to accumulate and poses a lethal threat when 
CO2 is able to accumulate in confined spaces such as valleys or cellars. The risk of a pipeline 
failure and inadvertent CO2 releases can be minimised by means of block valves set at 
distances along the pipeline that can be shut off in the event of a pipeline failure. The safety 
distances to a buried pipeline transporting 250 t liquid CO2/hr at 60 bar at which 

Capture: technical lessons learned 
• CO2 capture from flue gases with absorption processes is proven technology 

for small-scale applications, but demonstration of the scaled-up and optimised 
process is needed.  

• CO2 capture from mixtures with H2 with absorption technologies is proven 
technology for applications in the chemical industry. Technology scale-up 
and demonstration and development of enabling combustion technologies for 
gas turbines is needed. 

• CO2 capture with an oxyfuel process can be carried out using proven 
cryogenic technologies for the oxygen production process. Technology scale-
up and demonstration and development of enabling combustion technologies 
is needed. 

• Several novel process options based on separation technologies for CO2 and 
O2 (membranes and adsorption) have the potential to lead to more efficient 
capture technologies. 
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concentrations of minimal 5% will occur for 60 seconds, lie between 150 and 600 m for a 
distance between safety valves of 5 and 30 km, respectively (Kruse and Tekeila, 1996).  
 
CO2 tankers offer a flexible CO2 supply as tankers can collect CO2 from various sources and 
provide it to several users, which is useful when small storage reservoirs are used or when a 
changing demand pattern exists as in offshore EOR applications. Relatively small (1500 m3) 
vessels already exist, transporting CO2 at conditions near the triple point. Recently, a study 
was initiated on the design and economic of larger CO2 vessels (circa 20,000 m3) to supply 
CO2 from various North-western European sources to nearly depleted oil fields in the North 
Sea for EOR application.  
 
 
 
 
 
 
 
 
 
 
 
5 Underground CO2 storage 
 
The concept of CO2 storage into geological reservoirs as greenhouse mitigation option is 
relatively young. Only a few demonstration projects with the purpose of underground CO2 

storage exist today. However, there is a lot of industrial experience with the injection of 
gasses, including CO2, natural gas and acid gas, into geological reservoirs. The US energy 
industry has several decades of experience with CO2 injection into nearly depleted oil 
reservoirs to enhance oil recovery. In Canada, acid gas is separated from natural gas and 
disposed in underground formations. In various countries, underground (natural) gas storage 
(UGS) in depleted gas fields and in aquifers is applied. The technology for large-scale CO2 

storage has many similarities with acid gas injection and UGS. Recently, also natural 
analogues are studied to gain insight in behaviour of CO2 in reservoirs.  
 
Alternatives have been proposed for underground CO2 storage, among which ocean storage 
and mineralization, but these concepts are in a less mature phase. The basic idea of CO2 

injection into the deep ocean is to accelerate the slow natural process of dissolution (transfer 
from atmosphere into the ocean) to reduce the peak in atmospheric CO2 concentrations.    
Generally, there are still large uncertainties inherent to injection of large quantities of CO2 
into the ocean. Since ocean storage is in a less mature phase (up till now only scientific 
experiments have been conducted) and the private sector mainly focuses on geological 
storage, ocean storage is not further discussed.  
The idea of mineralization is to increase the rate of a reaction occurring in nature, in which 
minerals such as calcium and magnesium silicates react with CO2 to form carbonates, stable 
minerals. This reaction is exothermic, but is extremely slow under natural conditions. By 
optimising reaction conditions, medium and configuration, the reaction rate can be increased 
to permanently sequester large quantities of CO2 in solid mineral, which can be disposed in 
subsurface reservoirs. Like ocean storage, mineralization is still in an experimental phase and 
therefore not further discussed. 
 

5.1 Injection system 
The well drilling and completions techniques applied by the oil and gas industry can be 
applied for the purpose of CO2 injection. The well configuration is basically the same as a 

Transport: technical lessons learned 
• CO2 transport by pipeline is proven technology 
• CO2 transport by ship offers flexible alternative for transport of large volumes 

CO2 over relatively small distances  
• Challenge is to deal with impurties in gas stream, which may cause corrosion 
• Main risk is pipeline failure, but consequences are expected to be less severe 

in comparison to natural gas 
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water injection well, although it needs some minor adaptations, because CO2 is very corrosive 
in the presence of water. Also the injection pressure is generally higher, which requires 
different wellheads.  
The major risk associated with injection is a well failure, which may result in escape of CO2 

that will migrate upwards due to its relatively low density in comparison to water. The 
likelihood of a sudden escape of all CO2 stored in an underground reservoir is very small due 
to the limited capacity of the injection system (Holloway, 1996). In the majority of well 
failures, an amount equal to the content of the well tubing will be released. In normal cases, 
this leak will be detected by the monitoring system, resulting in the closure of the back-flow 
preventer and the emergency shutdown valve at the wellhead (Holloway, 1996). Failure of the 
back-flow preventer or packer may result in a well blow-out, an uncontrolled flow of 
reservoir fluids (which can be CO2, but also salt water, oil, gas or a mixture of these) into the 
well bore to the surface. Apart from CO2 release, the potential consequences are casualties 
among operators and economic damage caused by explosion or fire when upcoming 
hydrocarbons are ignited or by parts of the well, which can be launched by the pressure 
release.  
 

5.2 Storage reservoirs  
For underground storage of CO2, sedimentary basins are most suitable. The reservoirs 
considered for CO2 storage can be divided into: 

• (nearly) depleted oil and gas fields  
• deep saline aquifers 
• unminable coal seams 

 
Each reservoir should fulfil to several general requirements to guarantee optimal and safe CO2 

storage: 
• The storage volume, depending on porosity and thickness, should be sufficient for 

the planned quantity of CO2 to be injected.  
• Permeability should be sufficiently high to allow injection 
• Generally, only reservoirs below 800 m are considered for CO2 storage, because at 

this depth CO2 is in supercritical state, where the density of CO2 ensures optimal 
storage 

• CO2 will primarily be trapped as a gas or supercritical fluid. In this state, CO2 can be 
considered as “free” and will rise up due to buoyancy effects until it reaches the cap 
rock, where it will accumulate. In order to retain CO2 for a long period, possibly in 
the order of thousands of years, and minimise leakage to other formations, the 
reservoir should be sealed with a low-permeability cap rock (clay, salt).  

 

5.2.1  Depleted hydrocarbon fields 
Depleted or nearly depleted/uneconomical oil and natural gas fields are considered to be 
suitable CO2 storage reservoirs, since these reservoirs are generally well studied and 
considered to be safe reservoirs for CO2 storage, because oil, gas and often CO2 have been 
retained for millions of years. Especially those reservoirs where the injection of CO2 causes 
additional oil/gas production are interesting reservoirs for CO2 storage. In many hydrocarbon 
fields, there is still some oil and gas present, which could not be produced cost-effectively by 
pressure depletion and water flooding. By injecting CO2 (alternated with water, also referred 
to as water-alternating-gas or WAG) into oil reservoirs, oil is mobilized through miscible or 
immiscible displacement, which may increase oil recovery. This process is referred to as 
enhanced oil recovery with CO2 (CO2-EOR). At the production well, oil, water, CO2 and 
natural gas are produced and separated and CO2 is recycled to the injection well. Although the 
purpose of CO2-EOR is primarily oil production, most of the injected CO2 remains in the 
reservoir. Average retention from several reservoirs is 71% (Grigg, 2002). However, if the 
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main purpose is CO2 storage, the current practice to minimise CO2 quantities (as CO2 is 
valuable resource) should be adapted.  
CO2 injection in nearly depleted gas fields might cause some enhanced gas recovery, but this 
is not a proven technology in contrast to EOR. Since CO2 has a comparable density as natural 
gas, it is expected to mix with the gas to cause early CO2 breakthrough.  
 

Figure 7 EOR scheme (source: IEA GHG) 

 
CO2-EOR is applied on commercial scale in the USA, Canada, Turkey and Trinidad and 
Tobago. The majority of projects are situated in the Permian basin in the USA. The US oil 
industry has many years of experience with CO2 compression, transport and injection into oil 
fields. Up till now, no fatal incident has occurred. Currently about 43 million tonnes of CO2 is 
being injected per year; the majority (circa 75%) being CO2 from geological reservoirs and 
the remaining part originating from industrial sources. On average, 140-280 m3 of CO2 is 
required to produce 1 barrel of oil (IEA, 2002b). The oil production and number of injection 
and production wells varies strongly per field; the biggest field (Wasson Denver) produces 
more than 30,000 barrels of oil per day from 735 production wells and 365 injection wells 
(IEA GHG, 2000b).  
 
Operative experience in the USA has indicated key reservoir features affecting the success of 
a project and which things may possibly go wrong (Grigg, 2002). Injectivity is a crucial 
parameter for the successfulness of a CO2-EOR project. In many reservoirs, injectivity has 
been lower than expected. The CO2 and water injectivities during WAG is often lower than 
the waterflood injectivity. Since CO2 has a lower viscosity than water, it is expected that CO2 

injectivity is higher than waterflood injectivity. Another relevant feature for the economic 
performance of the project is reservoir heterogeneity. Experience indicate that reservoirs 
should be sufficient heterogeneous to realise early oil recovery to obtain the desired rate of 
return. On the other hand, reservoirs with high heterogeneity may show early CO2 

breakthrough or high recycling rate, which can be a problem for gas processing facilities. By 
improving WAG management, CO2 production rates can be decreased while increasing oil 
production rates. State-of-the-art practice is to start injection with a large CO2 slug and switch 
to WAG after CO2 breakthrough occurs. The slug causes quick oil recovery as well as 
reducing the impact of decreased injectivity when performing WAG (Grigg, 2002). 
Deposition is a problem identified in some reservoirs is, which can modify injectivity. A 
positive spin-off (for CO2 storage) of deposition is increased CO2 retention. General insight 
from operators and engineers indicate that many of the problems mentioned above could have 
been avoided, anticipated or minimised by performing a better reservoir characterization 
(Grigg, 2002). 
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During CO2 injection period no significant leakages have occurred. However, several 
operators mentioned that CO2 was migrating through fractures or via flanks of the structure to 
zones that are in communication with the injection zone. Moreover, the long-term impact of 
CO2 on the reservoir, cap rock and well integrity remains uncertain and requires substantial 
research. Also the flow paths of CO2 in the reservoir are not always understood. Monitoring is 
an essential technology to trace CO2 in the reservoir and to verify the effectiveness of storage. 
In several EOR projects, monitoring is being performed.  
In the Weyburn project, circa 5000 t CO2 (with a purity of 95%) per day is injected into a 
carbonate reservoir since 2000 with the purpose of enhanced oil recovery, but also to 
permanently store CO2. This makes the Weyburn project different from conventional EOR 
project where main purpose is to maximise enhanced oil recovery with minimal CO2 use. CO2 

is injected by horizontal wells, which improves the oil recovery with more than 5000 barrels 
of oil per day. About 20 million tones of CO2 will be injected in the project’s lifetime, and at 
least 130 million additional barrels of oil are expected to be produced. An extensive 
monitoring programme was initiated to study CO2 behaviour in the reservoir. Time-lapse (4D) 
geophysical monitoring proved successful. Also water-gas geochemical monitoring has been 
performed on reservoir level up to surface level.   
 
At the Rangely Weber oil field in the USA, soil gas measurements have been performed to 
measure flux CO2 and CH4. These measurements indicate annual fluxes of circa 3800 t CO2 

and 400 t of thermogenic CH4 originating from deep sources over an area of 78 km2 

(Klusman, 2003). The CO2 flux corresponds to approximately 0.01% of the annual injection 
CO2 rate.      
 

5.2.2 Aquifers 
Deep saline aquifers are widely distributed carbonate and sandstone formations filled with 
saline or brackish water. These formations offer an enormous storage capacity. The injection 
of CO2 into these formations is similar to injection in oil and gas fields. However, aquifers 
generally have not proven the ability to contain large amounts of gasses. In general, aquifers 
have not been studied so extensively as hydrocarbon structures, although there is experience 
with injection of acid gas, liquid waste, natural gas and brine water produced with oil 
production into aquifers. The Sleipner project is the only existing commercial CO2 injection 
project in the world. Since 1996, annually circa 1 million tons of CO2 removed from natural 
gas is boosted to 80 bar and injected into the Utsira formation, a saline aquifer 1000 m below 
the floor of the North Sea. A total of 20 Mt is expected to be stored over the projects lifetime. 
The Utsira formation is a 200 m thick sandstone formation with a porosity between 27 and 
42% and a permeability of circa 3 Darcy.  
 

  

Figure 8 Sleipner. Left: Sleipner production and gas treatment platform (source Statoil). Right: 
production and injection scheme (source: David Fierstein, Statoil) 
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In 1998, the Saline Aquifer CO2 Storage (SACS) project was established to predict and 
monitor the migration of CO2 injected into the aquifer by means of 3D seismic surveying. The 
repeat seismic surveys have clearly shown that injected CO2 moves, due to buoyancy effects, 
from the injection point and accumulates under the overlying cap rock. The CO2 bubble will 
slowly dissolve in the brine in time. Reservoir simulations have indicated that up to 18% of 
the injected CO2 could become dissolved in the project’s lifetime (Torp and Gale, 2003). 
Simulations of CO2 injection into the Utsira formation at Sleipner suggest that CO2 will be 
dissolved completely after 5,000 years (Lindeberg and Bergmo, 2003). When the CO2 is 
completely dissolved, leakage is no longer possible, since free CO2 is not present anymore, 
provided that no CO2 is released as a consequence of pressure and temperature changes in the 
reservoir. Geochemical experiments and modelling have shown that mineral trapping of CO2 

by reacting with non-carbonate rich minerals is limited. Reservoir simulations of aquifers 
similar to the Utsira formation at Sleipner revealed that less than 1% precipitates as carbonate 
minerals (Johnson and Nitao, 2003). 
The impact of CO2 on the cap rock is not certain yet. Reactive transport model simulations 
indicate that after 120 years, mineral precipitation caused by CO2 will have decreased the 
porosity and permeability of the cap rock base from 5% to 2.3% and from 3 to 0.3 mDarcy, 
respectively (Johnson and Nitao, 2003). These results suggest that the sealing properties of 
the cap rock are enhanced by CO2 storage.    

Figure 9 Representation of repeat seismic surveys and position of CO2 (source: Erik Hårberg, Statoil) 

 

5.2.3 Coal seams 
Deep unminable coal seams offer interesting perspectives for CO2 storage with simultaneous 
coal bed methane production, also known as enhanced coal bed methane (ECBM) recovery. 
When injecting CO2 in a coal seam, CO2 is to a large extent adsorbed to the coal matrix, 
replacing coal bed methane (also known as mine gas), which can be produced and used to 
offset the costs of CO2 storage. Although the precise replacement ratio is not assessed yet, it is 
generally assumed that 2 molecules of CO2 replace 1 molecule of methane. Coal seams are 
considered safe storage reservoirs; it is argued that if coal seams have held methane for 
millions of years, it will probably retain CO2 for at least thousand to ten thousand of years as 
well (provided that the coal is never mined). Due to adsorption to the coal surface, less “free” 
CO2 is present. Consequently, the risk of leakage in coal seams is expected to be smaller than 
for hydrocarbon reservoirs and deep saline aquifers, where CO2 is predominantly present in 
free state. 
However, ECBM has not been proven yet on commercial scale. Until so far, only 
conventional CBM production (by pumping formation water causing pressure depletion and 
CBM molecules to desorb) has been applied successfully. There are a few CO2-ECBM 
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demonstration projects running/planned to test the viability of this option. The Allison unit in 
the San Juan basin in New Mexico operated by Burlington Resources is the first experimental 
CO2-ECBM project. This unit comprises four CO2-injection wells and nine methane 
production wells. CO2 injection started in 1996 and has been ceased in 2001. Unfortunately, it 
is difficult to explain the CBM production figures solely on the basis of CO2 injection, 
because shortly after CO2 injection began several production enhancement activities were 
implemented (Reeves et al., 2003). The San Juan basin has the most favourable geologic 
conditions for CBM production; it is a homogenous reservoir with thick coal seams, minimal 
faulting and high permeability (around 40 mDa). Most coal seams have a much lower 
permeability, thinner coal seams and are structurally more complex (high faulting). 
Permeability should be at least 1 mDa for effective CBM production (IEA GHG, 1998).  
In the Recopol project, CO2 injection has started in 2004 in a more typical coal seam in 
Poland. In the Fenn Big Valley project (Alberta) lead by Alberta Research Council, a micro-
pilot test has been performed with injection of CO2 and flue gasses in a single well, which 
served as injection and production well (“huff-n-puff” approach). These tests appeared to be 
successful and plans exist to extend the site to a full-scale 5 spot test site.  
 

Figure 10 ECBM scheme (Hamelinck et al., 2001) 

 

Figure 11 Impression of ECBM injection scheme at Allison unit (source: Burlington Resources) 

 
There are still several aspects to be studied on the interaction between CO2 and coal seams. 
Especially the chemical and physical reactions that could occur during CO2 injection into coal 
seams and their impact on the integrity of the coal seams require further research. One of 
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these reactions is swelling of the coal matrix when injecting CO2, which might cause a 
reduction in the permeability. Swelling might also induce stresses on the overlying and 
underlying rock strata in non ideal coal seams (thin, low permeable and highly faulted), that 
could cause faulting and possible migration pathways out of the coal seam (Gale, 2003). 
Various R&D programmes are running to study these effects.  
 

5.3 Industrial analogues 
 

5.3.1 Acid gas injection 
Oil and gas produced from geological reservoirs generally contain varying amounts of 
hydrogen sulphide (H2S) and CO2, acidic components that have to be removed before the 
product is sent to the market. After the acid gases have been removed by absorption, H2S can 
be converted into elemental sulphur and CO2 vented to the atmosphere. Alternatively, the 
gases can be flared or re-injected into a geological formation. In western Canada, increasingly 
more oil and gas producers are turning to acid gas re-injection. Although the purpose of acid 
gas injection is to dispose of H2S, significant quantities of CO2 are injected simultaneously, 
because it is not economic to separate the gases (IEA GHG, 2002). 
Since 1989, 42 acid gas injection operations have been approved in western Canada, of which 
39 are active. By the end of 2002, close to 1.5 Mt CO2 and 1 Mt H2S have been successfully 
injected into depleted hydrocarbon reservoirs and saline aquifers. In the USA, another 16 acid 
gas injection operations exist (IEA GHG, 2002). 
These acid gas injection operations provide a unique, commercial scale analogue for CO2 
geological storage, since CO2 is injected in similar formations and conditions as considered 
for underground CO2 storage, also with the purpose of permanent storage (in contrast to CO2-
EOR). Monitoring the injected acid gas might increase the insight on long-term containment 
of CO2. In addition, information on reservoir characteristics of acid gas injection operations 
can be used to identify sites for underground CO2 storage.  
 

5.3.2 Underground disposal of industrial waste 
In various countries, industrial organic waste and brine water co-produced with oil/gas 
production are re-injected into underground formations for permanent disposal. The lessons 
learned from underground disposal of industrial waste are limited for underground CO2 
storage due to differences in chemical and physical features and effects. However, the 
technology of deep well injection of hazardous industrial liquid wastes has many similarities 
to the technology of CO2 storage. Many of the formations currently used for deep well 
disposal of industrial waste are also suitable candidates for CO2 storage (Benson et al., 2002). 
The risks involved in underground disposal of industrial waste also play a role in underground 
CO2 storage. Early performance of underground disposal of industrial waste in the USA 
(before the introduction of more stringent regulations) showed many examples of well 
failures and contamination of drinking water aquifers. Failures were attributed to poor 
characterization of the confining units, improper well completion techniques, use of well 
construction materials that were incompatible with the waste streams and consequently 
corroded, inconsistent or inadequate monitoring, and leakage through abandoned wells 
(Benson et al., 2002).  
 

5.3.3 Underground (natural) gas storage 
Underground (natural) gas storage (UGS) in depleted gas fields and in aquifers is applied to 
help meet cyclic seasonal and/or daily demands for gas. While UGS has been applied safely 
and effectively, there have been a number of documented cases where leakage has occurred. 
Statistics of underground gas storage (UGS) on leakage through well failure have indicated 
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that the frequency of incidents is low. Only five incidents of 432 underground gas storage 
facilities were reported in a period of 25 years (Gas Research Institute, 1995). In the vast 
majority of the cases, leakage is caused by defective wells (faulty well construction and 
maintenance and the presence of old, improperly plugged abandoned wells) (Benson et al., 
2002). One of the worst accidents occurred in Hutchinson, Kansas, where gas from a natural 
gas storage field leaked (probably via a damaged injection well), migrated laterally and 
reached the surface via old, unplugged wells. The explosions that followed caused the death 
of 2 persons and significant economical damage (Benson et al., 2002).  
 

5.4 Natural analogues 
Natural analogues include reservoirs where CO2 has been successfully trapped for geological 
timescales (like oil and gas fields, which contain CO2 to various extents) and reservoirs where 
CO2 is migrating to the surface. Reservoirs where CO2 is trapped for geologic timescales are 
ideal to assess long-term effects of underground of CO2 storage, which is generally not 
possible with current injection field tests and laboratory experiments. At sites where CO2 is 
actively leaking, leakage rates and pathways can be assessed by soil gas and flux 
measurements. Soil gas surveys, geophysical (seismic) evidence and laboratory-based 
migration experiments performed within the NASCENT project indicate that CO2 migrates 
predominantly through cap rocks along faults to the surface. Migration via diffusion and 
solution in cap rock porewaters is relatively minor (Pearce et al., 2003).  
 

5.5 Risks of underground CO2 storage 
The risks associated with surface and injection/production facilities are well understood. 
There is a lot of experience with hydrocarbon extraction, processing and transport, which is 
partly applicable to CO2 as well. CO2 is used in various industrial applications (carbonisation 
of beverages, cooling, drinking water treatment, welding, foam production etc). Industrial 
experience with CO2 and gases shows that the risks from industrial facilities are manageable 
using standard engineering controls and procedures (Benson et al., 2002).  
Less is known on the risks of underground CO2 storage, i.e. once is injected in the geological 
reservoir. The risks of CO2 storage in geological reservoirs can be divided into 5 categories: 

• CO2 leakage: CO2 migration out of the reservoir through the subsurface and finally 
into the atmosphere  

• CH4 leakage: CO2 injection might cause CH4 present in the reservoir to migrate out 
of the reservoir, through the subsurface and finally into the atmosphere 

• Seismicity: the occurrence of (micro) earth tremors caused by CO2 injection)  
• Ground movement: subsidence or uplift of the earth surface as a consequence of 

pressure changes induced by CO2 injection)  
• Brine displacement: as a result of CO2 injection, saline water present in the target or 

nearby formations might be displaced to other formations, which may cause 
undesirable effects such as a rise of the water table and an increase in salinity of 
drinking water in extraction wells). 
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Figure 12 Risks of underground CO2 storage (Damen et al., 2003)  

 

5.5.1 Leakage 
The potential for leakage will depend on well and cap rock (seal) integrity, overburden 
integrity and the trapping mechanism. The most important leakage mechanisms are CO2 

leakage through or along wells and a cap rock failure.  
CO2 leakage through or along wells after the injection phase can be caused by casing or 
cementation defects due to improper design or construction, corrosion of the casing and 
deterioration of cement plugs by CO2 and/or brine. Especially abandoned wells can be 
important migration pathways, since depleted oil/gas reservoirs are generally “punctured” by 
a large number of non-operative exploration and production wells, some of them in bad 
condition. It is uncertain how the well bore integrity (and especially the cement) is affected by 
CO2 and brine considering a storage timescale of 100’s to 1000’s of years. Degradation may 
affect permeability of cement, which might increase leakage rates in time. In order to assess 
potential leakage of a certain reservoir, detailed information must be available on the number, 
type and age of wells, completion technique and type of materials used.  
A cap rock failure can be caused by various mechanisms:   

• Capillary leakage. Since the capillary entry pressure of a cap rock has generally been 
sufficient to retain hydrocarbons and the capillary entry pressure can be measured by 
means of core testing, capillary leakage of CO2 is not considered to be a problem 
(Jimenez and Chalaturnyk, 2003). 

• Diffusion of CO2 (caused by a difference in CO2 concentration) through the cap rock 
is expected to be a very slow process, but can be the controlling mechanism for 
leakage on the long-term (Jimenez and Chalaturnyk, 2003).   

• CO2 might leak through man-made fractures, also referred to as hydraulic fracturing. 
Fractures can be created by over pressuring the reservoir (e.g. small closed aquifers). 
When injecting CO2 in oil fields, fracturing of the seal might occur as a consequence 
of the pressure fluctuations in the reservoir (Wildenborg and van der Meer, 2002). 
Also the (earlier) production/ injection processes to exploit hydrocarbon reservoirs 
may have created fractures. In order to prevent fracturing, the maximum injection 
pressure should always be kept below the level at which the cap rock may shear 
(fracture pressure). The risk of leakage through fracturing is low as long as the 
storage pressure does not exceed the initial reservoir pressure. However, there is a 
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certain level of overpressure, at which CO2 can be safely contained. This “safety 
factor” depends on the stress state of the cap rock, which depends on depth, pore 
pressure, rock properties and sedimentary and tectonic history. A generic relation 
between depth and overpressure was derived by van der Meer: up till a depth of 1000 
m, the maximum injection pressure is 1.35 times hydrostatic pressure and for larger 
depths, this factor is enlarged to 2.4 (Wildenborg et al., 1996). 

• Dilatant3 shear formation and fracturing may occur in cap rocks, which can ultimately 
create preferential flow paths and increasing the cap rock permeability and 
consequently the risk of CO2 leakage. However, shear deformation can also result in a 
reduced permeability (Jimenez and Chalaturnyk, 2003).  

• High-permeability zones might be formed by reaction of CO2 with the cap rock, 
causing the cap rock to dissolve. CO2 can dehydrate clay shales in the cap rock, 
thereby increasing its permeability.  

• CO2 might leak through open (non-sealing) faults, which extend into the cap rock. 
The risk for leakage along faults can be minimised by performing a detailed analysis 
of the geological setting of the reservoir prior to injection. Structural complex 
reservoirs (heavily faulted) are not preferable. 

• Seismic disturbances might cause cap rock failure. 
 
Of these mechanisms, leakage along or trough wells, faults and fractures are generally 
considered to be the most important leakage pathways. CO2 leakage through faults and 
fractures is less controllable and more dependent upon geological characteristics than CO2 

migration through or along wells.  
 
Leakage may have both local/regional and global consequences. CO2 might cause health 
effects when exposed to humans, animals and ecosystems at elevated concentrations. 
Prolonged exposure to high CO2 levels, above 20–30%, will cause death by suffocation to 
humans and the majority of air-breathing animals (Benson et al., 2002). Deaths from 
catastrophic releases of CO2 are known from industrial accidents and natural disasters (Lake 
Nyos). Leakage of relatively small quantities of CO2 poses a lethal threat when CO2 is able to 
accumulate in confined spaces such as valleys or cellars.  
When migrating upwards from the reservoir, CO2 may also affect the quality of fresh, potable 
groundwater, located in the 100-200 m of the subsurface. An increase in CO2 concentration 
causes a decrease in pH, which might cause the release of trace elements to levels that exceed 
drinking water standards. Also surface water could be contaminated by leakage. Elevation of 
CO2 concentrations in the soil due to leakage is likely to lower the soil pH, and adversely 
impact the chemistry of nutrients, redox sensitive elements and trace metals, as well as plant 
growth (Saripalli et al., 2003). Tree kills associated with soil gas concentrations in the range 
of 20 to 30% CO2 have been observed at Mammoth Mountain, California, where volcanic 
outgassing of CO2 has been occurring since at least 1990. The effects of CO2 on subsurface 
organisms dwelling in deep geologic formations and the effects on marine ecosystems are not 
well known (Benson et al., 2002). 
From a global perspective, leakage of CO2 (and CH4) from reservoirs would make CO2 storage 
less effective, or even ineffective as mitigation option (depending on the leakage rate). 
Complete avoidance of leakage over the storage timeframe (thousands of years) cannot be 
guaranteed. All geological reservoirs are thought to leak over time. The crucial question is 
what leakage rates are acceptable to assure stabilisation of atmospheric greenhouse 
concentrations in the coming century is not endangered. Obviously, the acceptable leakage 
rate depends on stabilisation targets and the extent and timing of CO2 storage.  
 

                                                
3 Dilantacy is the increase in the volume of rocks as a result of deformation 
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5.5.2 Seismicity 
Oil and gas reservoirs may be sources of reservoir-induced seismicity when fluids are injected 
for enhanced oil recovery causing pressure changes in the reservoir. Also when injecting CO2 
in aquifers, the pressure build-up will affect stability of the reservoir, which may cause earth 
tremors. Potential effects of reservoir-induced seismicity are CO2 leakage from the reservoir 
and damage to buildings and infrastructure.   
Reservoir induced seismicity (RIS) has been observed in gas storage reservoirs (UGS) and 
liquid waste injection in underground formations (Benson et al., 2002; Over et al., 1999). 
Recent investigations have shown the risk of earth tremors in case of gas storage in empty gas 
fields to be small, even at an over-pressure of 10% above initial pressure (Over et al., 1999). 
Micro seismicity might occur, but the magnitudes are generally low. The risk of seismicity 
caused by CO2 storage in depleted gas fields is likely to be small and can be minimised by 
controlling the injection pressure. 
The problem of seismicity might be more serious when CO2 is injected into a reservoir in 
tectonically active regions (with high density of active faults), which can be found in e.g. 
Japan and California (Li et al., 2003). 
 

5.5.3 Ground movement 
It is possible that the earth’s surface will sink or rise because of man-made pressure changes, 
which might cause damage to buildings and infrastructure and might also trigger seismicity.  
Several cases of subsidence in history (mainly during exploitation of oil and gas fields) are 
known and well documented (e.g. Groningen gas field). In general, the mechanism of 
subsidence is well understood, but prediction is considered to be difficult (Holloway, 1996). 
It is not envisaged that uplift will take place in a CO2 reservoir as long as the maximum 
storage pressure is kept below the geostatic pressure. However, in a reservoir that is under 
high tectonic stresses, any significant reduction of the grain pressure (pressure acting between 
individual rock particles) may trigger faults. This may lead to uplifting or down-faulting of 
the surface. Subsidence can also be caused by a chemical reaction between CO2 dissolved in 
brine and the reservoir rock, which may cause dissolution of the reservoir rock (chemical 
compaction). Consequently, the reservoir may cave in under the weight of the overburden 
formation. Chemical compaction or dissolution of the reservoir rock will particularly be a 
matter of concern in carbonate rocks with a high porosity (Holloway, 1996). 
 

5.6 Monitoring 
Monitoring will play an important role in studying these research topics. For research 
purposes, monitoring allows us to observe the development of CO2 in the reservoir. It can also 
be used to get insight in a wide range of parameters such as reservoir and cap rock 
performance, migration pathways, solubility, geochemical interactions (among which mineral 
trapping), groundwater and soil quality, ecosystem impacts and micro-seismicity associated 
with CO2 injection (Benson and Myer, 2002).  
Seismic methods are highly developed and can cover a large area with high resolution. In the 
research project SACS (Saline Aquifer CO2 Storage) the migration of CO2 injected in saline 
aquifer under the North Sea has been monitored by means of time-lapse seismic surveys. It 
appeared that the overall effect of the accumulated CO2 on the seismic signal is significant, 
making time-lapse seismic surveying a highly suitable geophysical technique for monitoring 
CO2 injection into a saline aquifer (Arts et al., 2003). One of the shortcomings of geophysical 
techniques is the difficulty in quantifying the amount of CO2 that is present and the rate of 
leakage might it occur. Myer et al (2003) studied the resolution of seismic monitoring and 
concluded that a plume of circa 20,000 t CO2 at 2000 m depth may be detectable. Other work 
suggests that the detectable volume of CO2 would be much smaller (Benson and Myer, 2002). 
Only by combining geophysical measurements with other techniques, such as formation 
pressure measurements and reservoir simulation, it will be possible to obtain more 
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quantitative estimates of leakage rates (Benson and Myer, 2002). This will require additional 
research efforts and field-testing. Various research programmes are running to optimise 
existing monitoring techniques. More research is also required on techniques for monitoring 
the integrity (cement plugs, corrosion of casing) of abandoned wells. Methods for monitoring 
these aspects are studied within the CCP project (Wildenborg et al., 2002). 
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